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Abstract 

This paper projects how much incremental wind energy development (WED) may 

occur without causing inadequate investment incentives (aka missing money) for wind 

generation and natural-gas-fired generation in the day-ahead market (DAM) and real-time 

market (RTM) of the Midcontinent Independent System Operator (MISO) in the US. Using a 

large sample of hourly data for the 82-month period of 01/01/2014 - 10/31/2020, it 

documents that the DAM’s hourly investment incentives move with (a) the day-ahead 

forecast of daily natural gas price; (b) MISO’s day-ahead hourly requirements of ancillary 

services; (c) MISO’s zonal day-ahead hourly schedules of nuclear generation, wind 

generation, and must-run generation; and (d) MISO’s zonal day-ahead forecasts of hourly 

loads. Findings based on the RTM’s hourly data tell a similar story. Further, the negative 

effect of incremental WED on investment incentives over the forward-looking period of 

2023-2042 is offset by the positive effect of rising natural gas price, nuclear plant retirement, 

declining must-run generation, and growing demand. In the extreme case of nuclear plant 

retirement and zero must-run generation, incremental WED of up to ~441% of the existing 

wind generation level may occur as a market-based outcome without missing money in 

MISO’s DAM. 
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Incremental wind energy development in the Midcontinent electricity markets of the US 

 

1. Introduction 

At the 2021 G20 Summit held in Rome, the United States (US) reaffirmed its deep 

decarbonization commitment to tackle the urgent threat of climate change,1 necessitating 

large-scale wind energy development (WED) (Williams et al., 2012, 2014; Mahone et al., 

2018).2 Thanks to declining wind capacity costs (Wiser et al., 2021) and government policies 

of renewable portfolio standards, investment and production tax credits, and easy 

transmission access (Alagappan et al., 2011; Hitaj, 2013), WED in the US has been 

explosive, as evidenced by the vast increase in total installed wind capacity from ~1 GW in 

2010 to ~122 GW in 2020. 

An electric grid in the US can accommodate the rising market penetration of wind 

generation (WG) with transmission expansion (Joskow, 2021) and flexible capacity provided 

by natural-gas-fired generation (NG), demand response resources, and energy storage 

systems (Hargreaves et al., 2015). With a feature like capacity market (Spees et al., 2013), 

resource adequacy requirement (Cramton, 2017), or regulatory price adder (Zarnikau et al., 

2020a), the grid’s wholesale market design mitigates NG’s missing money problem of 

inadequate investment incentive (Joskow, 2013), which is further exacerbated by WG’s 

electricity price reduction (aka merit order) effect (Woo et al., 2012, 2016; Quint and Dahlke, 

2019; Zarnikau et al., 2019, 2020b; Prol et al., 2020; Peña et al., 2022).  

As the regional transmission organization (RTO) in the US Midwest, the Midcontinent 

Independent System Operator (MISO) uses locational marginal pricing (Stoft, 2002) and 10 

local resource zones (LRZs) shown in Figure 1 for determining the hourly prices for energy 

 
1 http://www.g20.utoronto.ca/2021/G20ROMELEADERSDECLARATION.pdf 
2 Other decarbonization measures include solar energy development, energy efficiency improvement, 
conservation, and implementation of smart grid aided by advanced metering infrastructure that enables dynamic 
pricing and reliability differentiation (Woo and Zarnikau, 2019; Woo et al., 2019).  
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and ancillary services in its day-ahead market (DAM) and real-time market (RTM) (Zarnikau 

et al., 2020b). This paper empirically answers the substantive research question of how much 

incremental WED may occur as a market-based outcome without missing money for WG’s 

and NG’s investments. 

This question is real-world relevant, underscored by WG’s and NG’s documented 

missing money problem (Woo et al., 2012, 2016, 2019; Woo and Zarnikau, 2019; Prol et al., 

2020; Cao et al., 2021; Peña et al., 2022) that dims the prospect of relying on market-based 

incentives to maintain system reliability (Joskow and Tirole, 2007; Joskow, 2013). It is also 

policy important because incremental WED weakens the investment incentives for WG and 

NG that have lower CO2 emissions than coal-fired generation plants owned by MISO’s 

members (Zarnikau et al., 2020b). Further, NG’s flexible capacity is necessary for MISO’s 

integration of the rising market penetration of WG (Hargreaves et al., 2015). Finally, an 

assessment of incremental WED’s effects on generation investment incentives reveals the 

factors that can mitigate the missing money problem (Mills et al., 2015).  

There are three reasons justifying our focus on MISO. First, “MISO operates one of the 

world’s largest energy markets with more than $40 billion in annual market energy 

transactions.”3 Second, MISO’s service territory in the US comprises the Northern region of 

LRZs 1 to 7 and the Southern region of LRZs 8 to 10. As shown by Figure 1, these two 

regions are geographically distinct, thus enabling an empirical analysis of regional generation 

investment incentives. Finally, MISO has salient features that make our paper an important 

and interesting case study, including its large footprint, huge peak demand, diverse market 

participants, and mix of heterogeneous generation capacities (Zarnikau et al., 2020b; Cao et 

al., 2021).4   

 
3 https://www.misoenergy.org/about/media-center/corporate-fact-sheet/   
4 According to its 2022 corporate fact sheet (https://www.misoenergy.org/about/media-center/corporate-fact-
sheet/), MISO has a total generation capacity of 205.2 GW, historic summer peak of 127.1 GW set on 
07/20/2011, historic winter peak of 109.3 GW set on 01/06/2014, membership of 56 transmission owners and 
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Based on the hourly data for the 82-month period of 01/01/2014 to 10/31/2020 used by 

Cao et al. (2021) to determine MISO’s energy trading efficiency, our key findings are: 

(1) Rising market penetration of WG shrinks WG’s and NG’s regional investment incentives 

in MISO’s DAM and RTM.  

(2) MISO’s regional generation investment incentives increase with rising natural gas price, 

declining must-run generation,5 growing demand, and declining nuclear generation.  

(3) The projected negative effect of incremental WED on MISO’s regional generation 

investment incentives in the forward-looking period of 2023-2042 is offset by the 

projected positive effect of the factors listed in (2).  

(4) In the extreme case of nuclear plant retirement and zero must-run generation, incremental 

WED of up to ~441% may occur as a market-based outcome without missing money in 

MISO’s DAM.  

Our paper makes three contributions that complement recent empirical studies of 

missing money due to WG’s merit order effect (e.g., Quint and Dahlke, 2019; Zarnikau et al., 

2019, 2020b; Prol et al., 2020; Cao et al., 2021; Peña et al., 2022):6  

 It adopts the perspective of a cost-minimizing load serving entity (LSE) (Woo and 

Zarnikau, 2019; Woo et al., 2019), leading to a newly developed explanation of the 

missing money problem based on the profitability of a wind power purchase agreement 

(WPPA) and a tolling agreement (TA). This explanation matches (a) the business reality 

 
134 non-transmission owners, and generation capacity mix of natural gas (43%), coal (27%), renewables (21%), 
nuclear (7%) and other (2%).  
5 With a zero price offer, must-run generation is the amount of electricity to be dispatched by MISO before 
supplies with positive price offers. Its presence is attributable to such reasons as (1) thermal power plants fueled 
by coal and natural gas often have minimum output requirements; (2) nuclear power plants are baseload and 
largely non-dispatchable; and (3) an integrated electric utility under the cost-of-service regulation may prefer to 
use its own generation assets instead of wholesale market purchases to meet its retail load obligations. As an 
increase in must-run generation causes a rightward shift of MISO’s generation supply curve, it reduces MISO’s 
wholesale electricity prices (Zarnikau et al., 2020a).  
6 Two reasons support our paper’s exclusion of a comprehensive literature review of the numerous studies on 
renewable energy’s merit order effect that diminishes generation investment incentives. First, such a review 
does not add material insights beyond those presented herein. Second, ample literature reviews are already 
available in the cited papers, thus obviating our duplication of effort.  
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that a power plant developer in the US often uses such agreements to obtain project 

financing at a reasonable cost (Stern, 1998); and (b) the widespread use of WPPAs that 

suggests windfarm owners seldom make supply offers like independent power producers 

of conventionally generated energy in a RTO’s DAM and RTM.  

 To the best of our knowledge, it is the first empirical study of regional generation 

investment incentives in MISO’s DAM and RTM. Specifically, it documents what 

matters in MISO’s incremental WED, thus complementing the assessment studies by 

Mills et al. (2015, 2020).  

 Its regression-based approach is applicable to assess incremental WED’s effects on 

generation investment incentives in the wholesale electricity markets operated by other 

RTOs in North America, as well as those in Europe (e.g., France, Germany, Italy, Spain, 

and UK), South America (e.g., Brazil and Chile), and Asia Pacific (e.g., Australia, New 

Zealand, and Singapore).  

The rest of this paper proceeds as follows. Section 2 explains WG’s and NG’s 

investment incentives. Section 3 develops our regression setup. Section 4 assesses how much 

incremental WED may occur as a market-based outcome for the 2023-2042 period. Section 5 

reports our empirics, the basis for Section 6: conclusions and policy implication. 

2. Generation investment incentive based on a LSE’s least-cost procurement  

We use E() = expected annual sum of hourly operating profits per MW of installed 

capacity to measure generation investment incentive (Woo et al., 2012, 2016). If E() ≥ F = 

per MW installed cost ($) × [cost of capital (% per year) + depreciation (% per year)], there is 

adequate investment incentive. When E() < F, the missing money problem is said to exist. 

We calculate hourly operating profit from the perspective of a LSE that minimizes its 

energy procurement cost (Woo and Zarnikau, 2019; Woo et al., 2019; Cao et al., 2023). This 

makes sense based on the following line of reasoning. After signing a 1-year WPPA at 
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levelized price LP = ~$25/MWh (Wiser et al., 2021),7 each wind MWh delivered in hour h = 

1, …, 24 on day d displaces the same amount to be bought at wholesale market spot price Pdh. 

As a result, Pdh is the LSE’s per MWh avoided energy cost attributable to the signed WPPA.  

Made possible by the signed WPPA, dh = Pdh – LP is the LSE’s per MWh profit in 

hour h on day d. When the annual sum of E(dh) > 0, it induces the LSE to sign the WPPA. 

As WG’s merit order effect reduces E(Pdh), it diminishes the LSE’s signing incentive.  

We now consider the case of a 1-year TA for a MW-share of a dispatchable and fast 

ramping NG plant that employs combined cycle gas turbines (CCGTs). After signing the TA 

with contracted heat rate HR (MMBtu/MWh), the LSE instructs the plant operator to perform 

economic dispatch to achieve Cdh = min(Pdh, HR × Gd), where Gd = natural gas price 

($/MMBtu) on day d (Woo et al., 2016, 2019). As a result, Cdh is the LSE’s per MWh 

procurement cost in hour h on day d.  

The LSE’s hourly profit in hour h on day d is (Pdh – Cdh – K), where K = per MWh 

fixed charge = TA’s per MW-year capacity cost for a CCGT ÷ 8,760 hours per year = 

~$11.41/MWh (PJM, 2018). When the annual sum of [E(Pdh) – E(Cdh) – K] > 0, it induces the 

LSE to sign the TA. As WG’s merit-order effect reduces [E(Pdh) – E(Cdh)] (Woo et al., 2016), 

it diminishes the LSE’s signing incentive.  

In summary, the rising market penetration of WG tends to reduce the construction of 

windfarms and NG plants in wholesale electricity markets like those operated by MISO. 

Section 3 below proposes a regression analysis of the hourly data for Pdh and Cdh to reveal the 

factors that can offset this capacity reduction. Section 4 then uses the regression results to 

assess the market-based incremental WED in MISO’s DAM and RTM. 

  

 
7 Without any loss in generality, the 1-year contract period is assumed solely for expositional clarity and 
simplicity. 
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3. Regression setup 

3.1 Specification  

For expositional ease, we first focus on MISO’s DAM in the Northern region, as the 

discussions in connection to MISO’s DAM in the Southern region and RTMs in both regions 

are entirely analogous.  

Let Pjdh = hourly DAM price of LRZ j = 1, .., 7 in hour h = 1, …, 24 on day d = 

01/01/2014, …, 10/31/2020. The data generating process (DGP) for Pjdh is assumed to be the 

following linear regression with random error jdh that may be heteroskedastic and 

autocorrelated:  

Pjdh  = Xjdh  + fixed effect + jdh,       (1) 

where Xjdh = vector of fundamental drivers;  = vector of coefficients that measure the 

marginal price effects of Xjdh; and fixed effect = linear function of the intercept and binary 

indicators for time of the day, day of the week, month of the year, and LRZs in MISO’s 

Northern region. We decide not to use the log-linear specification, chiefly because the 

presence of negative prices renders ln(Pjdh) undefined.8  

Guided by Zarnikau et al. (2020b) and Cao et al. (2021), the regressors in equation (1) 

are as follows:9 

 X1dh = Daily forecast of natural gas price ($/MMBtu) at the Henry Hub that does not vary 

hourly.10 Its coefficient 1 > 0 measures the DAM price effect of a $1/MMBtu increase in 

natural gas price.  

 
8 During low-demand hours (e.g., 02:00 to 05:00), MISO’s system loads at times cannot fully absorb the non-
dispatchable generation output from nuclear plants and windfarms. To maintain its load-resource balance, MISO 
uses negative prices to induce generation curtailment by dispatchable NG plants in these hours. 
9 Thanks to a diligent referee’s insightful comment, we exclude the PJM price for energy at the MISO-PJM 
border as a regressor because it is highly colinear with the natural gas price.  
10 The following reasons support our use of the Henry Hub price (Woo et al., 2006a): (a) Henry Hub is the 
largest trading hub in the US; (b) the Henry Hub is the delivery point of the US natural gas futures; (c) the 
Henry Hub price is highly correlated (r > 0.9) with local hub prices in MISO’s service territory; and (d) the 
Henry Hub price is exogenously determined by the national integrated market formed by interconnected markets 
across the US.  
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 X2dh = MISO’s system AS requirement (MW) announced on day d-1 for hour h on day d. 

Its coefficient 2 > 0 measures the DAM price effect of rising AS requirement. 

 X3jdh = LRZ j’s local wind MWh scheduled on day d-1 for delivery in hour h on day d. Its 

coefficient 3 < 0 measures the DAM price effect of LRZ j’s rising WG.  

 X4jdh = Total non-local wind MWh of all other LRZs scheduled on day d-1 for delivery in 

hour h on day d. For example, if j = 1, X4jdh = sum of wind MWh for LRZs 2 to 7 because 

LRZs 8 to 10 do not have WG. Its coefficient 4 < 0 measures the DAM price effect of 

rising WG in all other LRZs.  

 X5jdh = LRZ j’s local nuclear MWh scheduled on day d-1 for delivery in hour h on day d. 

Its coefficient 5 < 0 measures the DAM price effect of LRZ j’s rising nuclear generation.  

 X6jdh = Total non-local nuclear MWh of all other LRZs scheduled on day d-1 for delivery 

in hour h on day d. Its coefficient 6 < 0 measures the DAM price effect of rising nuclear 

generation in all other LRZs.  

 X7jdh = LRZ j’s local must-run MWh scheduled on day d-1 for delivery in hour h on day d. 

Its coefficient 7 < 0 measures the DAM price effect of LRZ j’s rising must-run 

generation.  

 X8jdh = Total non-local must-run MWh of all other LRZs scheduled on day d-1 for 

delivery in hour h on day d. Its coefficient 8 < 0 measures the DAM price effect of rising 

must-run generation in all other LRZs.  

 X9jdh = LRZ j’s forecast of local MWh load made on day d-1 for hour h on day d. Its 

coefficient 9 > 0 measures the DAM price effect of LRZ j’s rising demand.  

 X10jdh = Forecast of non-local MWh load of all other LRZs made on day d-1 for hour h on 

day d. Its coefficient 10 > 0 measures the DAM price effect of rising demands in all other 

LRZs.  



12 
 

We now turn our attention to the per MWh procurement cost regression. Based on Woo 

et al. (2016), we assume HR = 7 MMBtu per MWh = engineering-based heat rate of a CCGT, 

the most popular thermal generation technology deployed in the US. If an LSE serving LRZ j 

has signed a CCGT-based TA, its day-ahead per MWh procurement cost is Cjdh = min(Pjdh, 7 

MMBtu per MWh × $X1dh per MMBtu), as the TA’s per MWh non-fuel variable cost is for all 

practical purposes negligible (Woo et al., 2016).  

The DGP for Cjdh is assumed to be the following linear regression with the coefficient 

vector   that measures the marginal cost effects of Xjdh and random error jdh that may be 

heteroskedastic and autocorrelated: 

Cjdh  = Xjdh  + fixed effect + jdh.       (2) 

As the regression specification for the Northern region’s DAM, equations (1) and (2) 

show that Pjdh and Cjdh move in tandem because (a) they both use{Xjdh}as their fundamental 

drivers; and (b) the marginal effects of Xjdh on Cjdh based on in equation (2) mimic those on 

Pjdh based on  in equation (1). A case in point is that a $1/MMBtu increase in natural gas 

price is expected to raise Cjdh by $1/MWh and Pjdh by $1/MWh.  

Replacing their regressands and regressors to reflect the Southern region’s DAM yields 

two additional equations to be estimated. Further, replacing the day-ahead data with real-time 

data leads to four equations for the two regional RTMs. In short, each region has a system of 

two energy price regressions and two per MWh procurement cost regressions differentiated 

by market type.  

3.2 Estimation strategy  

Recall the two regional regression systems in Section 3.1, the Northern system, which 

uses hourly data for LRZs 1 to 7, and the Southern system, which uses hourly data for LRZs 

8 to 10. As the two regional systems have unequal sample sizes, we use PROC MODEL of 
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SAS to estimate them separately.11 We use PROC MODEL’s GMM option to obtain 

heteroscedasticity-autocorrelation-consistent (HAC) standard errors for gauging the statistical 

significance of the coefficient estimates (Wooldridge, 2010).12 Finally, we perform unit root 

tests to allay the concern of spurious regressions caused by non-stationary regression 

residuals (Davidson and MacKinnon, 1993). 

4. Incremental wind energy development  

4.1 Wind power purchase agreement  

Stated below are the steps for assessing how much incremental WED may occur 

without reducing a WPPA’s profitability in MISO’s DAM over the 2023-2042 period.  

Step 1 uses the regional DAM price regression results to calculate R > 0, the regional 

average of hourly DAM price increases triggered by the plausible events listed below: 

(1) $1/MMBtu increase in the Henry Hub natural gas price in the 20-year period. The Henry 

Hub price is expected to rise because of (a) increasing US export of LNG to reduce 

Europe’s dependence on Russia’s supply of natural gas (EIA, 2022); (b) a slowdown in 

shale gas development due to environmental concerns about hydraulic fracturing 

(Sovacool, 2014); (c) electricity generation’s increasing demand for natural gas based on 

the EIA’s Annual Energy Outlook 2022;13 and (d) inter-fuel substitution between natural 

gas and petrol products like fuel oil and diesel (Li et al., 2022).  

(2) Nuclear plant retirement. As the nuclear plants in MISO’s service territory are over 20 

years old, their retirement may occur by the end of the 2023-2042 period. Thus, we 

calculate R under two assumptions: (a) without nuclear retirement; and (b) with nuclear 

retirement. 

 
11 https://support.sas.com/documentation/onlinedoc/ets/132/model.pdf  
12 https://support.sas.com/kb/40/098.html  
13 https://www.eia.gov/outlooks/aeo/pdf/AEO2022_ReleasePresentation.pdf  
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(3) Cumulative load growth of 20% for the 20-year period. It is based on the annual forecast 

of ~1% per year in the EIA’s Annual Energy Outlook 2022.  

(4) Reduction in must-run generation, reflecting the possibility of the rising volume of supply 

offers with strictly positive price quotes submitted by thermal generators during MISO’s 

market operation hours. This possibility arises due to the retirement of aging power plants 

with relatively low operational flexibility and high CO2 emissions (e.g., coal-fired power 

plants) and the construction of new power plants with relatively high operational 

flexibility and low CO2 emissions (e.g., CCGTs). Since we cannot accurately project the 

extent of this reduction in the 20-year period, we assume hypothetical reductions of 0%, 

25%, 50%, 75%, and 100%.  

Step 2 assumes  = total percentage increase in day-ahead wind MWh by LRZ at the 

end of the 20-year period. For illustration, the day-ahead wind MWh in the year 2042 for 

LRZ 1 in MISO’s Northern region is (1 + ) × LRZ 1’s day-ahead wind MWh in 2019. We 

select 2019 as the reference year because it is the most recent year in our sample period, with 

hourly data for all 12 calendar months.  

Step 3 uses the DAM price regression results to calculate S < 0, which is WG’s 

regional average of hourly DAM price reductions based on ’s assumed value. 

Step 4 varies  from 1% to 500% to find * that results in R + S = 0. Hence, * is an 

estimate for the market-based extent of incremental WED in connection to WPPAs. As there 

is no local wind generation in the Southern region, we use the Northern region’s wind 

MWh to determine the * values for both regions.  

To find the regional * values for the RTM, we repeat Steps 1 to 4 after replacing the 

DAM price regression results with the RTM price regression results and the day-ahead data 

with the real-time data.  
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4.2 Tolling agreement  

Stated below are the steps for assessing how much incremental WED may occur in 

connection to TAs in MISO’s DAM over the 2023-2042 period:  

Step 1 uses the regional DAM price and per MWh procurement cost regression results 

to calculate R’ = regional average of hourly (Pjdh – Cjdh) = TA’s projected per MWh profit 

increase due to the events listed in Step 1 of Section 4.1. 

Step 2 assumes  = total percentage increase in day-ahead wind MWh by LRZ at the 

end of the 20-year period.  

Step 3 uses the regression results noted in Step 1 to calculate S’ < 0, which is the TA’s 

decremental per MWh profit. Specifically, S’ = regional average of hourly (Pdh – Cdh) 

based on ’s value assumed in Step 2.  

Step 4 varies  from 1% to 500% to find ** that results in R’ + S’ = M, where M = 

NG’s amount of missing money embodied in the existing hourly data.  

To find ** for the RTM, we repeat Steps 1 to 4 after replacing the DAM price and per 

MWh procurement cost regression results with their RTM counterpart and the day-ahead data 

with the real-time data. 

4.3 Extent of incremental WED 

Since wind capacity expansion simultaneously affects a WPPA’s and a TA’s 

profitability, M = min(*, **) is the condition for adequate investment incentives for WG 

and NG. This makes sense because M is the extent of incremental WED that may occur 

without causing missing money for WG and NG (Woo et al., 2023). 

5. Empirics 

This section reports our empirics based on MISO’s hourly data from 01/01/2014 to 

10/31/2020. After describing the hourly data, it presents our regression results, followed by 

our assessment of incremental WED for the forward-looking period of 2023-2042. 
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5.1 Descriptive statistics and correlations 

Table 1 presents our hourly data’s descriptive statistics and correlations, leading to the 

following remarks. The mean energy prices are between $26 and $28/MWh, higher than the 

LP of a 1-year WPPA of ~$25/MWh recently reported by Wiser et al. (2021). As the 

WPPA’s LP presumably fully covers WG’s fixed costs, there is adequate investment 

incentive for a windfarm developer and sufficient signing incentive for a LSE.  

The mean per MWh procurement costs are between $19 and $20/MWh. As a result, a 

1-year TA’s mean payoff is between $7.55/MWh to $8.07/MWh based on the average 

difference between energy prices and per MWh costs. Since a CCGT’s per MWh capacity 

cost is ~$11.41/MWh (PJM, 2018), the TA’s amount of missing money is M = ~$4/MWh 

used in Step 4 of Section 4.2.  

The average energy price and per MWh procurement cost are slightly higher in the 

Northern region’s DAM than in RTM. However, they are lower than the corresponding 

averages of the Southern region. Further, energy prices and the differentials between energy 

price and per MWh procurement cost for both regions are highly volatile, as evidenced by 

their wide ranges and large standard deviations. Finally, per MWh procurement costs are less 

volatile than energy prices because of a CCGT’s economic dispatch based on the relatively 

stable natural gas prices.  

Regional energy prices are positively correlated with per MWh procurement costs (r > 

0.33) and natural gas price (r > 0.28). However, they are weakly correlated with regional 

wind generation, nuclear generation, load, and must-run generation.  

Regional per MWh procurement costs positively correlate with natural gas price (r > 

0.74). As in the case of energy prices, they are weakly correlated with regional wind 

generation, nuclear generation, load, and must-run generation.  
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While the correlations generally corroborate our expectations, they do not untangle the 

marginal effects of each fundamental driver on energy prices and procurement costs, thus 

motivating our use of the regression results presented in the following section. 

5.2 Regression results  

Table 2 reports the regression results that yield the following inferences: 

 The adjusted R2 values are between 0.261 and 0.826 for the Northern region and 0.172 

and 0.984 for the Southern region. As the low 0.261 and 0.172 values come from the two 

regional RTM price regressions, the remaining six regressions are deemed to have a 

reasonable fit. 

 The slope coefficient estimates generally support our expectation of the price and cost 

effects of the fundamental drivers because only 7 out of the 76 estimates have unexpected 

signs and are statistically significant.  

 A $1/MMBtu increase in daily natural gas price tends to increase the Northern region’s 

DAM energy price by $6.6/MWh and RTM energy price by $4.9/MWh. Its impact on the 

Southern region’s DAM and RTM energy prices are $7.5/MWh and $7.6/MWh. 

Reflecting the energy price regressions’ empirical plausibility, these estimated effects 

equal NG’s market-based marginal heat rates that in the main are numerically close to a 

CCGT’s engineering-based heat rate of 7 MMBtu/MWh. The responses of per MWh 

procurement costs to a $1/MMBtu increase in natural gas price are similar to those of 

DAM and RTM energy prices in both regions.  

 The statistically significant estimated effects of a 1-GW increase in system AS 

requirement on energy prices and per MWh procurement costs are $0.436/MWh to 

$3.457/MWh. 

 Confirming WG’s merit order effects, each additional GWh of local wind generation in 

the Northern region tends to reduce the region’s energy prices and per MWh procurement 
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costs by $0.79/MWh to $2.73/MWh, larger than the reductions due to non-local WG’s 

increase of the same amount.  

 The estimated impacts of a 1-GW increase in the local nuclear generation on energy price 

are -$0.03/MWh to -$3.70/MWh, larger in size than those of a 1-GW increase in non-

local nuclear generation.  

 The estimated marginal effects of 1-GW increases in local and non-local must-run 

generation on energy prices in both regions are mixed and less than $1.21/MWh in size.  

 Rising local and total non-local GWh loads tend to have positive impacts of $0.562 to 

$3.031/MWh on energy prices and $0.012 to $0.129/MWh on per MWh procurement 

costs in the DAM and RTM of both regions. 

When taken together, the preceding findings lend support for using Table 2 to quantify 

the incremental WED estimates presented below.  

5.3 Incremental WED estimates  

Under the assumption of no nuclear plant retirement, the top half of Table 3 reports that 

the Northern region’s M
 estimates range from 190% to 267%. Nuclear plant retirement 

would greatly magnify these estimates. Finally, the M
 estimates for the Southern region are 

below those for the Northern region.  

To better understand what drives Table 3’s voluminous results, we estimate the 

following OLS regression with intercept  and random error : 

Y  =    +  N +  MG +  R +  D + ,     (3) 

where Y = M estimate in Table 3; N = 1 if nuclear plant retirement, 0 otherwise; MG = 

percentage reduction in must-run generation; R = 1 if Southern region, 0 otherwise; and D = 1 

if RTM, 0 otherwise.  

Equation (3)’s slope coefficients untangle the effects of N, MG, R, and D on M, thus 

revealing what matters in MISO’s market-based incremental WED. To see this point, 
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consider the case of N = MG = R = D = 0 so that the expected value of Y is E(Y) = , which is 

the Northern region’s average M value based on the DAM data in the absence of nuclear 

retirement and must-run generation reduction. Suppose N = 1 that indicates nuclear plant 

retirement that results in E(Y) = ( + ). Hence, is nuclear plant retirement’s effect on the 

Northern region’s average M value. If ’s estimate is large, nuclear plant retirement is 

expected to greatly increase MISO’s incremental WED for 2023-2042.             

Table 4 reports the OLS regression results that lead to the following inferences: 

 The regression has an adjusted R2 is 0.97. With the exception of D, it has highly 

significant (p-value < 0.01) coefficient estimates for the remaining regressors. Hence, it is 

a reasonable characterization of the  estimates reported in Table 3.  

 The sample mean of the  estimates is 213%, presaging the potentially large level of 

incremental WED in MISO’s DAM and RTM.     

 For the scenario of N = MG = R = D = 0, the  estimate is 223%, chiefly reflecting the 

combined effect of the $1/MMBtu increase in natural gas price and MISO’s cumulative 

growth of 20% by the end of 2042. 

 Nuclear plant retirement increases the  estimates by 118%, making it the biggest driver 

of MISO’s incremental WED.    

 A 1% reduction in must-run generation is found to increase the  estimates by 0.54%. 

Should the must-run generation become zero, the resulting increase would be 54%.   

 The Northern region’s M estimates are on average 180% above the Southern region’s.  

 The DAM’s M estimates are on average 13% (p-value = 0.052) above the RTM’s.  

Table 4’s overall message is that large-scale incremental WED may occur as a market-

based outcome in MISO’s DAM and RTM, due chiefly to the projected increases in natural 

gas price, load growth, nuclear plant retirement, and decline in must-run generation.   

6. Conclusions and policy implication   
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Our conclusions are: (a) hourly generation investment incentives in MISO’s DAM and 

RTM move with their fundamental drivers; (b) incremental WED’s negative effects on 

generation investment incentives for the forward-looking period of 2023-2042 are offset by 

positive effects of rising natural gas price, nuclear plant retirement, declining must-run 

generation, and growing electricity demand; (c) incremental WED without causing missing 

money for WG and NG can be as much as 441% in the extreme case of nuclear plant 

retirement and zero must-run generation; and (d) the regression results shown in Table 4 

delineate what matters in the assessment of MISO’s market-based WED. The overall policy 

implication of these conclusions is that market forces alone may suffice to induce large-scale 

incremental WED in MISO’s DAM and RTM. 

We would be remiss had we failed to acknowledge the following caveats of our paper. 

First, as our regression-based approach necessarily uses historical hourly data, it cannot 

determine the changes in generation investment incentives due to significant events that may 

occur beyond our sample period (e.g., a substantial revision of MISO’s wholesale product 

mix and expansion of transmission interconnection between MISO’s Northern and Southern 

regions). Nevertheless, its empirics can be readily updated with additional data collection.  

Second, our regression setup in Section 3 may be considered inadequate when 

compared to time series modeling of market prices that exhibit long memory and regime 

switching (Haldrup and Nielsen, 2006; Karakatsani and Bunn, 2008; Janczura and Weron, 

2010) and engineering simulation of WED’s impact on locational marginal prices (Morales 

and Conejo, 2011). That said, our regression setup is meritorious in providing a first look at 

incremental WED without missing money in MISO’s DAM and RTM.  

Finally, our paper overlooks the numerous thorny issues that can limit the ability of a 

RTO like MISO to deliver reliable service at stable prices (Woo et al., 2003, 2006b) that obey 

the principles of least-cost resource planning, procurement, and operation (Woo et al., 2019). 
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A partial list of these issues includes wholesale market’s trading inefficiency, transmission 

congestion, market power abuse, inadequate use of reliability differentiation and dynamic 

pricing at the retail level, retail pricing’s limited pass-through of wholesale price changes, 

market power abuse by rogue independent power generators, and poor coordination of 

generation and transmission investments in a competitive market environment (Cao et al., 

2021). While meaningfully addressing some of these issues is possible through a market 

design with reliability differentiation and generation dispatch based on marginal fuel costs 

(Woo et al., 2019), it is well beyond this paper’s intent and scope. 
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Table 1. Descriptive statistics of hourly data; sample period = 01/01/2014 - 10/31/2020; hourly per MWh procurement cost = min(hourly energy price, HR × daily natural gas price), where HR = 
7 MMBtu per MWh for a CCGT-based tolling agreement 
 
Panel A: Day-ahead hourly data for MISO’s Northern region of LRZ 1 to 7  

Variable Number of non-
missing 

observations 

Mean Standard 
deviation 

Minimum Maximum Correlation 
Energy price Per MWh 

procurement cost 
Energy price ($/MWh) 419160 26.96 13.44 -20.02 463.94 1.000 0.624 
Per MWh procurement cost ($/MWh) 419328 19.28 5.82 -20.02 54.95 0.624 1.000 
Energy price – per MWh procurement cost 419160 7.68 10.81 0.00 425.02 0.907 0.237 
Natural gas price ($/MMBtu) 419328 2.89 0.83 1.36 7.85 0.470 0.865 
System AS requirement (MW) 419328 2442.00 137.76 2310.00 2997.00 0.095 0.060 
Local wind generation (MWh) 418572 817.20 1339.00 0.00 11064.00 -0.260 -0.249 
Total non-local wind generation (MWh) 418572 4903.00 3226.00 21.39 19806.00 -0.139 -0.140 
Local nuclear generation (MWh) 419328 998.47 622.57 0.00 1980.00 -0.021 -0.004 
Total non-local nuclear generation (MWh) 419328 10395.00 1325.00 5609.00 13460.00 0.007 -0.001 
Local must-run generation (MWh) 419328 4292.00 2268.00 0.00 13199.00 0.366 0.285 
Total non-local must-run generation (MWh) 419328 31370.00 7898.00 9508.00 57435.00 0.502 0.468 
Local load (MWh) 419328 7751.00 2954.00 2452.00 20142.00 0.316 0.153 
Total non-local load (MWh) 419328 65604.00 10892.00 40008.00 113227.00 0.501 0.248 

 
Panel B: Real-time hourly data for MISO’s Northern region of LRZ 1 to 7 

Variable Number of non-
missing 

observations 

Mean Standard 
deviation 

Minimum Maximum Correlation 
Energy price Per MWh 

procurement cost 
Energy price ($/MWh) 419328 26.33 20.23 -172.85 1862.00 1.000 0.447 
Per MWh procurement cost ($/MWh) 419328 18.78 6.39 -172.85 57.05 0.447 1.000 
Energy price – per MWh procurement cost 419328 7.55 18.29 0.00 1830.00 0.950 0.146 
Natural gas price ($/MMBtu) 419328 2.89 0.85 1.33 8.15 0.284 0.744 
System AS requirement (MW) 419307 2441.00 139.43 1135.00 2997.00 0.059 0.059 
Local wind generation (MWh) 419328 814.46 1330.00 0.00 9861.00 -0.189 -0.270 
Total non-local wind generation (MWh) 419328 4887.00 3183.00 0.00 17866.00 -0.122 -0.151 
Local nuclear generation (MWh) 419328 994.44 620.82 0.00 1990.00 -0.008 0.002 
Total non-local nuclear generation (MWh) 419328 10349.00 1353.00 0.00 13447.00 0.011 0.021 
Local must-run generation (MWh) 419328 4112.00 2121.00 0.00 12576.00 0.241 0.302 
Total non-local must-run generation (MWh) 419328 30253.00 7597.00 1948.00 55576.00 0.320 0.447 
Local load (MWh) 419328 7831.00 2966.00 2504.00 19845.00 0.211 0.170 
Total non-local load (MWh) 419328 66245.00 10690.00 41755.00 110784.00 0.325 0.248 
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Panel C: Day-ahead hourly data for MISO’s Southern region of LRZ 8 to 10 
Variable Number of non-

missing 
observations 

Mean Standard 
deviation 

Minimum Maximum Correlation 
Energy price Per MWh 

procurement cost 
Energy price ($/MWh) 179640 28.14 12.37 4.78 1297.00 1.000 0.554 
Per MWh procurement cost ($/MWh) 179712 20.07 5.68 4.78 54.95 0.554 1.000 
Energy price – per MWh procurement cost 179640 8.07 10.37 0.00 1272.00 0.890 0.113 
Natural gas price ($/MMBtu) 179712 2.89 0.83 1.36 7.85 0.526 0.990 
System AS requirement (MW) 179712 2442.00 137.76 2310.00 2997.00 0.071 0.022 
Local wind generation (MWh) 179712 0.00 0.00 0.00 0.00 - - 
Total non-local wind generation (MWh) 179388 5720.00 3472.00 67.00 19810.00 -0.117 -0.152 
Local nuclear generation (MWh) 179712 1468.00 868.08 0.00 3442.00 -0.026 0.007 
Total non-local nuclear generation (MWh) 179712 9926.00 1361.00 5622.00 13149.00 -0.050 -0.026 
Local must-run generation (MWh) 179712 1873.00 1573.00 0.00 6865.00 0.160 0.176 
Total non-local must-run generation (MWh) 179712 33789.00 8428.00 9736.00 61802.00 0.491 0.419 
Local load (MWh) 179712 6366.00 5017.00 423.00 23862.00 0.166 0.024 
Total non-local load (MWh) 179712 66988.00 11768.00 37403.00 116238.00 0.426 0.159 

 
Panel D: Real-time hourly data for MISO’s Southern region of LRZ 8 to 10 

Variable Number of non-
missing 

observations 

Mean Standard 
deviation 

Minimum Maximum Correlation 
Energy price Per MWh 

procurement cost 
Energy price ($/MWh) 179712 27.76 24.45 -198.57 1823.00 1.000 0.331 
Per MWh procurement cost ($/MWh) 179712 19.76 5.78 -198.57 57.05 0.331 1.000 
Energy price – per MWh procurement cost 179712 8.00 23.18 0.00 1791.00 0.972 0.100 
Natural gas price ($/MMBtu) 179712 2.89 0.85 1.33 8.15 0.284 0.925 
System AS requirement (MW) 179703 2441.00 139.43 1135.00 2997.00 0.040 0.034 
Local wind generation (MWh) 179712 0.00 0.00 0.00 0.00 - - 
Total non-local wind generation (MWh) 179712 5701.00 3422.00 0.00 17870.00 -0.083 -0.164 
Local nuclear generation (MWh) 179712 1461.00 874.38 0.00 3475.00 -0.007 0.005 
Total non-local nuclear generation (MWh) 179712 9883.00 1384.00 0.00 13112.00 -0.031 -0.011 
Local must-run generation (MWh) 179712 1859.00 1565.00 0.00 7291.00 0.093 0.171 
Total non-local must-run generation (MWh) 179712 32506.00 8125.00 3226.00 59549.00 0.258 0.437 
Local load (MWh) 179712 6419.00 5091.00 424.33 23840.00 0.095 0.033 
Total non-local load (MWh) 179712 67657.00 11572.00 39759.00 114244.00 0.224 0.179 

 
Notes:  (1) The average levelized price of recently signed WPPA is ~$25/MWh (Wiser et al., 2020, 2021), below the regional means of hourly energy prices by market type. 
 (2) Based on the cost of new entry (PJM, 2018), a CCGT’s per MWh capacity is ~$11.41/MWh, below the regional means of (hourly energy prices – hourly per MWh procurement 

costs) by market type.  
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Table 2. Regression results by region and market type; sample period = 01/01/2014 - 10/31/2020; per MWh procurement cost = min(energy price, HR × daily natural gas price), where HR = 7 
MMBtu per MWh for a CCGT-based tolling agreement; statistically significant (p-value ≤ 0.01) coefficient estimates based on HAC standard errors (Wooldridge, 2010) in bold; anomalous 
coefficient estimates with unexpected signs in italic  
 

Variable Northern region Southern region 
DAM RTM DAM RTM 

Energy price 
($/MWh) 

Per MWh 
procurement 

cost ($/MWh) 

Energy price 
($/MWh) 

Per MWh 
procurement 

cost ($/MWh) 

Energy price 
($/MWh) 

Per MWh 
procurement 

cost ($/MWh) 

Energy price 
($/MWh) 

Per MWh 
procurement 

cost ($/MWh) 
Number of non-missing observations 418383 418383 418383 418383 179307 179307 179307 179307 
Regressand mean 26.964 19.284 26.333 18.781 28.140 20.067 27.764 19.765 
Adjusted R2 0.615 0.826 0.261 0.649 0.593 0.984 0.172 0.865 
RMSE 8.338 2.427 17.402 3.779 7.895 0.713 22.266 2.127 
Daily natural gas price ($/MMBtu) 6.595 5.917 4.894 5.445 7.501 6.722 7.570 6.375 
System AS requirement (GW) 2.241 1.308 3.457 1.530 1.466 0.436 1.459 0.957 
Local wind generation (GWh) -2.370 -0.790 -2.730 -1.020 - - - - 
Total non-local wind generation 
(GWh) 

-0.420 -0.040 -0.580 -0.090 -0.140 -0.007 -0.270 -0.030 

Local nuclear generation (GWh) -3.700 -0.280 -2.570 -0.270 -2.240 -0.030 -2.690 -0.090 
Total non-local nuclear generation 
(GWh) 

-0.760 -0.070 -0.600 -0.070 -0.730 -0.030 -0.980 -0.030 

Local must-run generation (GWh) -0.430 -0.040 -0.280 0.031 -1.020 0.001 -1.210 0.021 
Total non-local must-run generation 
(GWh) 

-0.380 0.017 -0.220 0.022 -0.150 0.011 -0.120 0.028 

Local load (GWh) 2.208 0.067 3.031 0.129 2.089 0.019 2.094 0.074 
Total non-local load (GWh) 0.809 0.055 0.579 0.063 0.562 0.012 0.567 0.017 

 
Notes: (1) For brevity, this table omits the voluminous coefficient estimates for the intercept and binary indicators for hour of the day, day of the week, month of the year, and LRZs. Most 

(~80%) of these estimates are highly significant with p-values ≤ 0.01.  
(2) The Dickey-Fuller and Phillips-Perron unit root tests decisively reject (p-value < 0.01) the null hypothesis that the regression residuals are non-stationary. Hence, the regression 
results reported in this table are not spurious (Davidson and MacKinnon, 1993). 
(3) This table uses GW instead of MW to measure system AS requirement and GWh instead of MWh to measure energy-related variables to better represent their coefficient estimates 
that would otherwise be very small in size. 
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Table 3. Results for M = extent of incremental wind energy development by the end of 2042 without causing missing money for wind and natural-gas-fired generation 
 

Scenario Northern region Southern region 
Nuclear plant retirement Reduction in must-run generation (%) DAM RTM DAM RTM 

No 0 190% 215% 47% 46% 
25 213% 225% 60% 61% 
50 231% 235% 73% 76% 
75 249% 244% 87% 91% 

100 267% 254% 100% 106% 
Yes 0 369% 321% 141% 149% 

25 387% 331% 154% 164% 
50 405% 341% 168% 174% 
75 423% 351% 181% 183% 

100 441% 360% 194% 192% 
 
Note: The other assumptions used to construct this table are the $1/MMBtu increase in natural gas price in the 2023-2042 period and the cumulative load growth of 20% by the end of 2042. 
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Table 4. Response analysis of M (%) based on the OLS regression specification given by equation (3); number of observations = 40 
Variable Estimate Standard error p-value 

Sample mean  212.50   
Adjusted R2  0.97   
Root-mean-square error 20.61   
Intercept 222.98 7.98 < 0.001 
N = 1 if nuclear plant retirement, 0 otherwise 118.04 6.52 < 0.001 
MG = reduction in must-run generation (%) 0.54 0.09 < 0.001 
R = 1 if Southern region, 0 otherwise -180.29 6.52 < 0.001 
D = 1 if RTM, 0 otherwise -13.11 6.52 0.052 
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Figure 1. MISO’s footprint and local resource zones (Source: MISO Tariff Attachment VV) 

 

 

 
 
 

   
 
 

 


