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Abstract. Currently, tight carbonate gas reservoir has received little attention due to few discoveries of them.
In this study, gas–water two-phase relative permeability was measured under two different conditions: High
Temperature High Pore Pressure (HTHPP – 80 �C, 38 MPa), as well as Ambient Condition (AC), using whole
core samples of tight gas carbonate. Relative permeability curves obtained at HTHPP showed two contrary
curve profiles of gas relative permeability, corresponding to the distinctive micro-pore structure acquired from
CT-Scanning. Then, based on Klinkenberg theory and a newly developed slip factor model for tight sandstone,
slippage effect under AC is calibrated and the overestimation of gas relative permeability prove up to 41.72%–
52.34% in an assumed heterogeneity. In addition, relative permeability curves obtained at HTHPP switch to
higher gas saturation compared to that under AC with the rock wettability change from water-wet to less
water-wet. And the wettability alteration is believed to be caused by charge change on mineral surface.

1 Introduction

Tight gas plays an important role in world unconventional
gas reserves including Shale gas, Coalbed Methane (CBM),
Gas hydrates, etc. (Islam, 2015) and it is defined as gases
trapped in very low permeability formations, primarily
sandstones and some carbonates (Satter and Iqbal, 2016).
Until now, tight gas sandstones have gone through a lot
of investigations while there are few studies focusing on
tight carbonate gas reservoirs due to few discoveries of
them. The only reported tight carbonate gas reservoirs
are the Trenton Ordovician field in the northern part of
Appalachia, the Upper Cretaceous Austen Cretaceous and
lower Cretaceous James Lime in eastern Texas (Cumella
et al., 2014), as well as in Sichuan and Ordos basin in China
(Wei et al., 2017). However, there are few publications
about them.

During the process of gas field development, reservoir
simulation is a major method to make a design and deci-
sion. And relative permeability, which characterizes the
multiphase flow in porous media, is one of the most impor-
tant parameters for the simulation (Bignonnet et al., 2016).
However, the available data associated with relative perme-
ability of tight gas carbonate is few. Recorded experimental
research of relative permeability is usually conducted at
Ambient Condition (AC) or low pore pressure in laboratory

due to its simplicity and rapidity, whereas the result is of
great difference with that obtained under reservoir condi-
tion. Therefore, it may result in huge mistakes when these
curves obtained at AC are input to reservoir simulators.
Distinctions of relative permeability under these two condi-
tions can originate from many aspects, such as: wettability
alteration and slippage effect.

Wettability affects relative permeability because it
controls the fluid location and distribution in the pore space.
Anderson (1987) made a comprehensive review about the
effect of wettability on relative permeability. The conclusion
is that at any given saturation, water phase relative perme-
ability increases, while the oil phase relative permeability
decreases when the wettability shift from water-wet to oil-
wet. Reservoir wettability is a demonstration of the thermo-
dynamic equilibrium between reservoir fluids and rock
surface. And the wettability alteration is actually the ionic
interaction in different environmental conditions. Mecha-
nisms of carbonate wettability alteration by low salinity
flooding have received much attention in the past few years,
and they can be categorized into the following two aspects:

1. Mineral dissolution. Hiorth et al. (2010) proposed
mineral dissolution by history matching the sponta-
neous imbibition experiments in chalk. The opinion
is that organic materials in rock surface could desorb

* Corresponding author: yangsl05@163.com

This is an Open Access article distributed under the terms of the Creative Commons Attribution License (http://creativecommons.org/licenses/by/4.0),
which permits unrestricted use, distribution, and reproduction in any medium, provided the original work is properly cited.

Oil & Gas Science and Technology - Rev. IFP Energies nouvelles 74, 23 (2019) Available online at:
� T. Wan et al., published by IFP Energies nouvelles, 2019 ogst.ifpenergiesnouvelles.fr

https://doi.org/10.2516/ogst/2018102

REGULAR ARTICLEREGULAR ARTICLE

https://doi.org/10.2516/ogst/2018102


into the brine when the rock mineral dissolves, and
hence the wettability is changed. Using Nuclear
Magnetic Resonance (NMR), Yousef et al. (2011) sup-
ported this idea by presenting an enhancement of
micro and macro pore connectivity after low salinity
flooding. Austad et al. (2011), Esmaeilzadeh et al.,
(2018) pointed out that the increase of sulfate concen-
tration and ion exchange on the surface were mainly
caused by anhydrite dissolution. Nasralla et al.
(2015) simulated the calcite–brine interaction in their
PHREEQC-coupled reservoir simulator, and believe
that mineral dissolution is not the main mechanism
in their experiment. Mahani et al. (2015) confirmed
that precipitation only happens at increased pH or
alkalinity from different aspects: lab test and
PHREEQC simulation.

2. Charge change on mineral surface. Many studies have
showed an agreement on that the charge at the
carbonate surface strongly depends on the salinity,
components and pH of the brine as well as the mineral
composition and temperature. Alotaibi et al. (2011)
measured the zeta potential for limestone and dolo-
mite rocks with different formation brines. This study
shows that low-salinity water created more negative
charges on limestone and dolomite particles. Individ-
ual divalent cations decreased the zeta potential of
limestone particles in sodium chloride solutions, while
sulfate ions showed a negligible effect. Mahani et al.
(2015) measured the zeta potential of limestone and
dolomite in several different brine compositions. The
study revealed a good consistence between the charge
change on rock/brine surface and wettability change.
Zeta potential change versus pH for dolomite-NaCl
(2540 mg/L) shows an opposite trend to other brine
compositions. A logarithmic dependence of zeta-
potential on Ca2+ and Mg2+ concentration changes
was suggested by Alroudhan et al. (2016) using the
streaming potential. However, all the mechanism
investigations for carbonate wettability alteration
are focused on the carbonate oil reservoir, whose fluid
compositions and interfacial properties are quite
different from the gas reservoir.

Klinkenberg effect is an inevitable phenomenon in gas–
liquid two-phase flow under low pressure especially for tight
reservoirs. And it can cause significant overestimation on
gas relative permeability, while this effect could be elimi-
nated at high pore pressure (Li et al., 2009; Sander et al.,
2017). However, a few studies have focused on two-phase
slippage effect and most of them are qualitative. The effect
of gas slippage on gas-liquid relative permeability was firstly
studied by Estes and Fulton (1956), Fulton (1951) and Rose
(1948). A couple of investigators studied the influential
degree of slippage effect caused by different factors, such
as: net confining pressure (Sampath and Keighin, 1982),
temperature and water saturation (Li and Horne, 2001;
Rushing et al., 2003). In addition, Liu et al. (2011) and
Rushing et al. (2003) obtained an empirical correlation of
slip factor as a function of water saturation and Klinkenberg

permeability. Recently, Li et al. (2018) proposed an effective
slip factor model based on idealized capillary bundle model,
and a heterogeneity coefficient was introduced to character-
ize the heterogeneity of porous media:

beff ¼ b0 1� Swð Þ�m 0:5 < m < 2:0; ð1Þ
where beff is the effective slip factor under certain water
saturation, b0 is the slip factor of single gas phase, m is
the heterogeneity coefficient ranging from 0.5 for idealized
homogeneous media to 2.0 for heterogeneous media, Sw is
the water saturation.

In this work, gas–water two-phase relative permeability
of tight gas carbonate was measured under two differ-
ent conditions (HTHPP [High Temperature High Pore
Pressure], AC) by unsteady state method on whole core
samples. Features of relative permeability curves were char-
acterized and analyzed combined with the micro-pore
network acquired from CT-Scanning. Thereafter, relative
permeability obtained at two different conditions was com-
pared from the perspective of wettability alteration after
slippage calibration. It is promising that the results will
be beneficial for the future development of tight carbonate
gas reservoir.

2 Experimental section

2.1 Experimental samples and fluids

The whole core samples were chosen from the dolomite
reservoir at Sichuan Basin, China, in order to minimize
the deviation of produced water and better characterize
the heterogeneity by this large dimension. Five representa-
tive core samples were selected to conduct relative perme-
ability test at HTHPP, and three of them were also tested
at AC. Diameter of these rock samples is in the range of
65–70 mm, and the length of them is more than 100 mm
which could be supposed to efficiently weaken the capillary
end effect. Their physical properties are listed in Table 1.

For completely saturating the pore space, samples
were firstly dried for 10 h, and subsequently were vacu-
umed more than 24 h. Then the same vacuumed brine was
injected into the core samples for at least 5 pore volume.
Finally, the core samples were taken out to weigh the satu-
rated water and the porosity was calculated accordingly.

A light brine (made of 0.3% wt sodium chloride solu-
tion) was used as displaced phase, while nitrogen with a
purity of 99.99% was used as displacing phase. A PVT sim-
ulator, CMG WinProp (CMG, 2003), was used to obtain
gas and brine viscosity and compressibility factor. The
evaporation of water could be greatly prevented under
HTHPP (80 �C, 38 MPa) (Counsil, 1979), according to
Raoult’s and Dalton’s laws. The physical properties of fluids
are summed up in Table 2.

2.2 Experimental differential pressure

A dimensionless group called capillary number, Nc, is
always used to characterize the balance of viscos to
capillary forces. It is generally defined as follows (Moore
and Slobod, 1956; Pini and Benson, 2013):
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Nc ¼ mld

r
; ð2Þ

where m is the flow velocity (m/s), ld is the viscosity (cp), r
is the interfacial intension (mN/m).

In order to comply with actual reservoir condition, a rel-
atively low but appropriate flow rate was chosen to conduct
this experiment according to equation (2), then the corre-
sponding Differential Pressure (DP) is determined accord-
ing to Darcy’s law.

2.3 Experimental set up and procedure

The multiple function displacement system was connected
mainly by injection pump, gas/liquid storage cylinders, core
holder and outlet system comprised by gas/liquid separa-
tion, high-accuracy gas mass flow meter, etc., as illustrated
in Figure 1. This newly developed experimental apparatus
was made of titanium alloy so as to bear a high stress up
to 180 MPa and a high temperature up to 200 �C. The
effluent fluid was collected during the flooding process
and the average calcium concentration was obtained by
titration accordingly. Rock samples were soaked in the
brine for 2 days before contact angle measurement in order
to model the wettability alteration in core-flooding process.

Subsequently, the contact angle of nitrogen-brine-rock and
pH value of brine were measured.

All experiments were conducted under constant pressure
mode and equal effective stress. For the tests under HTHPP,
the first step is to elevate the temperature and pressure. The
temperature was elevated to the set value (80 �C) and kept
constant at least for 24 h to make sure the whole system can
reach the required temperature. Then, the pressure was
started to establish to avoid the pressure fluctuation when
establishing the temperature and pressure simultaneously.
Also, the pressure was applied step by step to prevent the
stress sensitivity of the core samples.

Table 2. Physical properties of fluids used in the
experiment.

Condition Fluid Viscosity
(cp)

Compressibility
factor

Interfacial
tension
(mN/m)

HTHPP Nitrogen 0.028 1.222 50.12
Brine 0.392 0.246

AC Nitrogen 0.019 1.000 71.25
Brine 0.934 –

Table 1. Characteristic data related to physical properties and relative permeability.

Sample Porosity
(%)

Klinkenberg
permeability (mD)

Differential pressure
(MPa)

Critical gas
saturation

Irreducible water
saturation

Cross point gas
saturation

b 6.74 0.0415 2.31 0.09 0.45 0.33
c 2.15 0.0005 7.12 0.17 0.49 0.28
d 0.83 0.0818 1.45 0.22 0.58 0.34
e 5.41 0.2610 0.28 0.06 0.22 0.45
f 3.84 0.0130 3.96 0.15 0.48 0.32

Fig. 1. Experimental system for relative permeability measurement.
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Experimental procedures under AC (without backpres-
sure, 25 �C) are the same as that at HTHPP just with the
elevation of temperature and pressure removed.

2.4 Calibration of experimental data

The cumulative volume of gas and water collected at
Ambient Condition (AC) were corrected to the condition
of the core inner according to the state equation. Then,
the relative permeability was calculated by JBN method
(Johnson et al., 1958).

3 Results and discussion

3.1 Characterization of relative permeability
under HTHPP

Five representative relative permeability curves were
obtained as presented in Figure 2 and the characteristic
data of relative permeability are listed in Table 1.

The most obvious distinction in these curves is that core
d displays a steep curve with narrow two-phase seepage area
and high residual water saturation. This sample possesses

Fig. 2. Examples of relative permeability curves under HTHPP for tight gas carbonate.
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the highest permeability but the lowest porosity among these
samples, which is caused by the existence of several visual
fractures as well as extremely few developments of micro-
pores as shown in Figure 3. This kind of pore structure
suggests fracture is the main pore space for fluid storage
and flow, and thus makes it easy to arise fluid channeling
and bypassing, which is mainly responsible for this ‘‘X’’ type
curve.

As for the other four core samples, notably cores c and f
have analogously convex curve of gas phase while cores b
and e have a similarly concave curve. The convex curve
shape usually indicates the insufficient flow occurring in
the micro pore space due to the existence of some extremely
small pore throat. In other words, a bad pore space connec-
tivity exists in cores c and f, as shown in Figure 3. From the
pore network graph of core f, we observe that although
some pore space in both ends of this sample is developed,
it is discontinuous in the middle, reflecting the strong

heterogeneity in tight gas carbonate. On the contrary, the
concave shape implies that the water is easier displaced
when there is a better pore space connectivity as shown
in the pore network graph of core e in Figure 3, although
the pore space may exist interference between two phases.
Generally, the concave degree of curve could reflect the
strength of multiphase interference during displacing, the
more concave, the severer the disturbance (Bachu and
Bennion, 2008). However, this interference will not
exist in fractured samples as can be seen from core d in
Figure 2.

All these measured core samples are water-wet as the
cross-point gas saturation is less than 0.5. Without consid-
ering the fractured samples, the characteristic data of the
other four samples generally display an interrelation with
absolute permeability: the higher the absolute permeability,
the lower the critical gas saturation and irreducible water
saturation, as listed in Table 1.

Fig. 3. Three-dimensional micro-pore network obtained from CT-Scanning (from the top to bottom, from left to right are for sample
d, e and f respectively).
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3.2 Calibration of Klinkenberg effect under AC

Combing equation (1) with Klinkenberg theory, the follow-
ing slippage calibration model under certain water satura-
tion can be obtained:

Krs ¼
Krg

1þ b0 1�Swð Þ�m

P

� � ; ð3Þ

where Krg is the apparent gas relative permeability under
certain water saturation, Krs is the corrected gas relative
permeability accordingly.

Equation (3) was used to correct apparent gas relative
permeability measured at AC. The advantage of this
calibration model is that it was established based on the
classical theoretical capillary model, which could reasonably
address this problem from the essential perspective. Due to
the difficulty to characterize the heterogeneity (value of m)
precisely, we selected three different heterogeneous
efficiencies (m = 0.5; 1.2; 2.0, from relative homogeneity
to a strong heterogeneity) to make this calibration, thus
the calibrated results locate in a certain scope as depicted
in Figure 4.

Figure 4 shows the calibrated relative permeability
of three core samples. It is obvious that gas relative
permeability could be significantly overestimated without
Klinkenberg correction and there exists a more serious

slippage effect with a stronger heterogeneity (larger value
of m). Because of the difficulty to quantify heterogeneity,
three different corrected curves under corresponding hetero-
geneity coefficients are displayed. In the following section,
the calibrated curve with an intermediate heterogeneity
(the blue dash line, m = 1.2) is used for analysis.

The error values in gas relative permeability caused by
slippage effect for cores c, f and e under 0.65 water satura-
tion are 52.34%, 44.84% and 41.72% respectively, showing
the tendency of an increasing error value with a tighter
sample. And it is also consistent with classical Klinkenberg
theory. In comparison, these error values are much higher
than those obtained by Li et al. (2018) whose maximum
error value is approximate 20%. This can be attributed to
the difference in base permeability which is exactly the
apparent permeability of single phase in the work of Li
et al. (2018). It can be corrected in an infinite pressure
but will give rise to extreme underestimation of apparent
gas relative permeability under AC. In addition, the core
samples used in this study are extremely tight promoting
the slippage effect.

3.3 Comparison of relative permeability between
different conditions

Calibrated relative permeability curves with an average
heterogeneity coefficient (m = 1.2) are displayed in

Fig. 4. Impact of Klinkenberg effect on gas relative permeability.
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Figure 5, associated with corresponding curves obtained at
HTHPP. According to previously published studies
(Delshad et al., 1986; Reynolds and Krevor, 2015), the
capillary number difference has marginal effect on rela-
tive permeability around the order of 10�8. As shown in
Table 3, relative permeability difference is mainly caused
by wettability alteration which is indicated by the contact
angle change.

As shown in Figure 5, there are differences in the rela-
tive permeability curves under these two conditions. The
first is that the relative permeability curve shifts to a higher
gas saturation when the test condition changed from AC to
HTHPP. At a given saturation, the gas relative permeabil-
ity decreases, while the water relative permeability
increases when the rock wettability change from strong
water-wet to less water-wet. This phenomenon is in a good

Fig. 5. Comparison of relative permeability under HTHPP and AC.

Table 3. Parameter comparison between different conditions.

Sample Condition Differential
pressure
(MPa)

Capillary
number

Contact
angle (�)

pH Calcium
concentration

(mg/L)

Water production before
breakthrough/cumulative

water production (%)

c AC 8.36 9.25E-09 36 7 1 12.67
HTHPP 7.12 2.68E-08 45 5.5 5 61.87

f AC 3.5 1.41E-08 40 7 1 17.58
HTHPP 2.3 3.13E-08 49 5.5 6 76.68

e AC 0.45 1.46E-08 39 7 2 23.28
HTHPP 0.28 2.42E-08 65 5.0 8 64.89
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agreement with that presented by McCaffery (1973) who
measured the relative permeability of nitrogen/liquid under
different wettability. However, the mechanism of wettabil-
ity alteration is usually complex and difficult to explain pre-
cisely. The potential mechanisms of wettability alteration
in this study are examined and analyzed in two aspects as
below:

1. Mineral dissolution. As shown in Table 3, mineral dis-
solution surely happens when increases the tempera-
ture and pressure, but the solubility is small versus
to brine salinity and thus have little effect to enhance
brine pH. And it is known in gas reservoir, there
barely no desorption of organic materials with dolo-
mite dissolution in the rock surface. Besides, precipita-
tion is also negligible due to the low salinity and
neutral and weakly acidic pH of the brine. Therefore,
the wettability alteration process caused by mineral
dissolution is unable to occur in this study.

2. Surface charge change. As the increase of temperature
and pressure, the ionization degree of sodium chloride
solution increases and hence decreases the pH of brine.
Zeta potential of dolomite-NaCl is inversely propor-
tional to the value of pH, which is attested by Mahani
et al. (2015). As a result, it is to believe that the
increase of zeta potential at dolomite surface leads
to the increase of contact angle from AC to HTHPP
condition. This result is opposite to the work of
Mahani et al. (2015) in which the contact angle
decreases with the decreases of zeta potential. In a
summary, the main mechanism resulting in the wetta-
bility alteration is the surface charge change in this
study. However, some further investigation on surface
charge change for rock-brine-gas is still necessary.

Second difference of relative permeability curve is
the slope of water relative permeability under different
conditions. Actually, it is due to a larger viscosity ratio of
gas to water in HTHPP, thus there is a higher displacing
efficiency and accordingly exhibits a relatively slow decreas-
ing rate under the approximate fluid velocity of all these
experiments. This difference is also suggested by more
water production before breakthrough under HTHPP
(Tab. 3), and subsequently brings a slightly lower water rel-
ative permeability at the critical gas saturation.

In addition, we observe a more convex curve of the gas
phase for cores c and f under AC, as well as a curve shape
change of core e from HTHPP to AC. These shape changes
demonstrate a weaker interference between two fluids and a
favorable mobility under HTHPP.

4 Conclusion

We performed gas–water two-phase relative permeability
under two different conditions using tight gas carbonate
samples, especially for the condition of HTHPP (80 �C,
38 MPa) which is scarcely attained in published literature.
Our conclusions are as follows:

1. There exist two contrary gas relative permeability
curve shapes, corresponding to the different micro-
pore structure among these core samples. The convex
relative permeability curve is caused by the strong
heterogeneity – discontinuity of pore space, reflecting
an insufficient flow in this tight gas carbonate. On the
contrary, the concave curve is accompanied by a
better pore connectivity. In addition, without consid-
ering the fractured core sample, relative permeability
under HTHPP shows a general linkage with absolute
permeability: characteristic data such as critical gas
saturation and residual water saturation decrease
with the increase of absolute permeability.

2. Gas relative permeability can be significantly overesti-
mated in conventional low-pressure condition. Based
on Klinkenberg theory and a newly developed slip
factor model, we calibrated the gas relative permeabil-
ity obtained at AC and it suggests that the overesti-
mation of gas relative permeability could up to
41.72%–52.34% for three different samples under an
assumed core heterogeneity (m = 1.2).

3. Comparison of relative permeability between different
conditions shows that relative permeability curve
switches to a higher gas saturation when the wettabil-
ity change from strong water-wet to less water-wet,
exhibiting a relatively higher water relative perme-
ability and lower gas relative permeability under cer-
tain saturation. Wettability alteration in this
dolomite reservoir is mainly caused by charge change
on mineral surface. In addition, the larger viscosity
ratio of gas to water and the weaker fluids interference
under HTHPP are respectively responsible for the
flatter water relative permeability curve and the less
convex gas relative permeability curve.
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